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Executive Summary 

 

The purpose of this research based project was to perform a comprehensive analysis of the leading natural 

gas utilities of US with the intention to demonstrate a meaningful and sustainable causal relationship 

between variables vital towards the financial operations of a utility firm. Emphasis was placed on demand 

side factors and their detailed long lasting effects on the financial performance of a corporation. A major 

contribution of the research conducted is to remove the irregularities due to unpredictable weather and the 

resulting implications over the financial results of the companies operating in the provision of natural gas 

to end users. Therefore this research was conducted by going over and above the basic financial measures 

popular to investors and financial analyst. It is intended that this work will assist both corporate and 

individual investors while evaluating decisions regarding investments in natural gas providers throughout 

the US. 
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Industry Operations 

Natural gas is a colorless, odorless fuel composed primarily of methane and ethane. It burns more cleanly 

than many other fossil fuels—emitting less carbon dioxide than coal or oil, and little sulfur or 

particulates—making it one of the most popular sources of energy today. The Energy Information 

Administration (EIA) estimates that natural gas consumption will rise from 27% in 2013 to between 32% 

and 33% by 2040. 

The Natural Gas Supply Chain 

The natural gas supply chain comprises three distinct segments: upstream, midstream, and 

downstream. The gas utilities are downstream. 

Local distribution companies (LDCs) occupy the downstream segment of the gas industry, taking gas 

from interstate pipelines and distributing it to a broad range of customers, including residential, 

commercial, industrial, and power generation. They perform this service under a monopoly concession 

and are subject to rate regulation. 

Companies sometimes run LDCs as stand-alone operations, but independent LDCs have become 

increasingly rare in recent years. Following regulatory reforms that eased restrictions on mergers 

by gas and other utilities, most LDCs are now owned by larger holding companies that also own 

other businesses, including other regulated gas and electric utilities, as well as unregulated 

businesses that may or may not be related to energy. 

It is important to remember that LDCs perform two related, but distinct, services: the delivery of 

gas, as well as the procurement and sale of gas to the customer. LDCs deliver gas to customers 

through pipeline networks they build and maintain, and attempt to earn a profit for providing that 

service. In addition, they procure gas and sell it to customers at cost, a service for which they earn no 

profit. In both cases, state officials regulate the rates that LDCs can charge, and they have no guarantee 

that state regulators will allow them to recover fully the cost of gas sold to customers. 

Alternatives to Cost-Of-Service Ratemaking 

Cost-of-service ratemaking has several important disadvantages when it comes to the incentives it offers 

for efficient utility performance. Just determining the actual cost of service is a cumbersome, time-

consuming, adversarial and complicated process due to the fact that many investor-owned utilities operate 

more than one LDC—thus raising issues about what costs should be allocated to what operation. 



 
5 | P a g e  
 

Furthermore, cost-of-service ratemaking offers a strong incentive for a utility to inflate the size of its asset 

base by so-called gold plating: overinvesting in assets that are either unnecessarily expensive or 

redundant, because the larger the rate base, the higher the return. 

To counter this problem, some states have begun to experiment with incentive-based rates that 

seek to promote efficiency. These rates either offer rewards for the attainment of performance goals or 

punishments for the failure to achieve expected standards. Various kinds of performance-based structures 

exist, each with its unique set of advantages and disadvantages. 

Regulatory lag. One of the simplest ways to create more incentives for improved performance is 

known as “regulatory lag,” it is the extension of the minimum time between rate changes. This produces a 

strong incentive towards cutting down costs, because utilities will keep 100% of any cost savings made 

during the period; they also would bear 100% of any additional costs incurred. 

Price cap. Another kind of incentive-based ratemaking formula is the price cap, in which the 

charge for distribution is set through a formula that adjusts the previous charge according to 

inflation (usually based on the consumer price index) and also according to expected gains in 

productivity. This has the effect of forcing a utility to make productivity gains—because prices have 

already been calculated to reflect them. However, further gains would add to the utility’s return, providing 

a strong incentive to increase productivity beyond the set target. The success of this formula is dependent 

on correct setting of the expected productivity gain factor in determining future prices. If the factor is set 

too low, it would allow the utility to earn above-normal profits, on the other hand, setting a factor set too 

high might hinder its full costs recovery. Price caps are more common outside the US. 

Revenue cap. An alternative to the price cap is the revenue cap, which can take the form of 

either an absolute revenue cap or a revenue-per-customer cap. With revenues fixed, companies can 

increase profits only by cutting costs. 

Earnings sharing. Another kind of incentive-based rate that has gained popularity in recent 

years is “earnings sharing.” When regulators determine a utility’s rate of return for a given period, the 

specified return is actually a target return that the rate schedule is designed to produce. 

Because actual events may lead to a different return, regulators may designate an “allowed rate of return” 

band that includes an acceptable variation from the target. If actual returns turn out to fall below that 

band, the utility may be allowed to petition for a rate change. If returns are above the target band, 

companies share the “excess” earnings, in part or in whole, with customers in the form of future rebates. 
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This protects the utility from unexpectedly low returns and allows customers to benefit from improved 

efficiency. 

Each of these alternatives has potential drawbacks, and studies examining alternative regulatory 

regimes have found it difficult to determine their overall effects. Because incentive-based rate 

designs do not offer a clear opportunity to enhance returns and usually entail some risk, some 

utilities prefer to remain under traditional regulation. 

Weather Influences Earnings 

With delivery rates typically tied to the volume of gas delivered, and costs that are mostly fixed, 

LDCs’ earnings traditionally have been highly sensitive to changes in the weather. Colder-than normal 

winter weather has the effect of increasing volume (and therefore, sales), while warmer than-normal 

weather can cut volumes significantly, eroding profitability. 

In setting rates, regulators assume a particular level of demand and gas distribution volumes. 

Unusual weather patterns can make this assumption either too high, leaving the utility with a 

revenue shortfall, or too low, giving the utility a revenue windfall. To smooth these peaks and 

valleys, many states have now started to include “weather normalization” clauses that serve to reduce 

weather-related effects and redress earnings volatility. A shift in weather patterns that causes a greater- or 

less-than-expected number of degree days (a measure of the variation of the mean daily temperature from 

a reference temperature) triggers a surcharge (in the case of unusually warm weather) or credit (when the 

weather is cold), applied to customer bills in order to offset the effect of weather. A more recent option 

for utilities that are seeking to minimize the effects of weather on earnings is to use weather-based 

financial derivatives. 

Because revenues are tied to delivered volumes, LDCs have a strong incentive to discourage energy 

efficiency and conservation, something state regulators would like to change as natural gas prices rise. In 

recent years in some states, a new “conservation tariff” has been used that decouples an LDC’s revenue 

from its delivery volumes by protecting profit margins in the event that delivery volumes decline. This is 

accomplished by setting up mechanisms that change the price of gas delivered according to actual 

volumes delivered, or by “deferral accounts” that keep track of the impact of conservation measures and 

provide for deferred collections or refunds at set times. 
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Managing Gas Supply 

In addition to maintaining a pipeline network, an LDC has responsibility to manage the supply of 

gas moving through its network, in order to maintain adequate pressure in the system and meet 

the full requirements of customers during times of peak demand. LDCs are responsible for 

delivering gas that customers have purchased from an independent competitive supplier, as well as 

supplying gas to customers that are either unable to choose a competitive supplier or fail to do so. When 

supplying gas directly to customers, an LDC has to purchase the gas itself, and it also has to pay for 

transportation of the gas to the LDC’s network (and possibly for storage as well). 

Deregulation Creates Choices 

Before 1984, when deregulation of the interstate pipeline industry first began, LDCs were forced to buy 

their gas directly from the transmission pipeline company that served their area as part of a package that 

included both the gas itself and pipeline transportation to the LDC’s city gate. LDCs made these 

purchases under long-term contracts that obliged them to pay for a certain amount of gas even if the LDC 

did not need the gas. 

In 1984, Order 380 of the Federal Energy Regulatory Commission (FERC) freed LDCs of those 

“take-or-pay” contractual obligations, thereby allowing them to start buying gas directly from 

producers on the spot market, once their take-or-pay obligations were satisfied. The FERC went on to 

issue a series of orders dismantling pipeline regulations. This process culminated in 1992 with Order 636, 

known as “The Restructuring Rule,” which required pipelines to offer transportation service as a separate 

service on terms equal to those given customers buying gas from the pipeline. 

Since that time, a wholesale market for natural gas has developed in the US that allows LDCs to 

purchase gas on a variety of terms and from a variety of different sources. A new class of independent gas 

marketer sprang up to compete with gas producers and pipelines by offering different products that allow 

LDCs to create their own supply portfolios, reflecting the individual circumstances and needs of each 

LDC. LDCs have taken advantage of the shift to diversify their sources of supply away from pipeline 

companies; now they source a significant amount of their supply either directly from a producer, a 

producer’s marketing affiliate, or from an independent marketer. 

According to an American Gas Association (AGA) survey of its members on hedging practices in the 

winter of 2012–2013, about 84% of the gas utilities used financial instruments to hedge at least a part of 
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their gas supply. More than half of the states now allow the practice of using tools, such as futures 

contracts and weather risk insurance, to stabilize natural gas prices. 

Supply Contract Options 

LDCs use a number of different kinds of contractual arrangements to purchase natural gas, the 

terms of these contracts can have a significant impact on the ultimate cost of the gas that the customers 

pay. LDCs can enter supply contracts for different durations: long-term contracts, which stretch for a year 

or longer, mid-term contracts, covering more than a month but less than a year, or monthly or even daily 

periods. For their peak-month supplies, LDCs tend to rely primarily on mid-term contracts (one to 12 

months), though more than half of the respondents to the AGA survey reported using long-term contracts 

for as much as 50% of their peak-month supply. 

In addition to differing timeframes, gas supply contracts can include one of several different 

pricing mechanisms, including a fixed price for the contract’s duration, a weekly average price, a 

daily price, a first-of-the-month index, a three-day average, or the price of futures contracts traded on the 

New York Mercantile Exchange (NYMEX). As shown by the AGA survey, 20 of 22 LDC survey 

respondents used first-of-the-month pricing for their long-term contracts, and only a few used other 

pricing mechanisms. For mid-term contracts, first-of-the-month pricing was still the most common, 

though LDCs also used fixed, daily, and NYMEX-based pricing mechanisms. 

In addition to their physical supply contracts, LDCs often will use financial derivatives to hedge 

the cost of gas for their customers. These financial instruments—futures, options, and swaps—are 

available through an organized, regulated exchange (such as NYMEX), as well as in the “over-the-

counter” market, from trading desks at various commercial banks, investment banks, 

marketers, and other natural gas intermediaries. 

The type of regulatory regime under which an LDC operates often has a heavy influence on purchases of 

the LDC’s supply, and whether or not it uses financial futures to hedge risk. LDCs have to convince 

regulators that their gas purchases were prudent and reasonable, or the commission may not grant full 

reimbursement to the LDC. 

Recovering Gas Supply Costs 

LDCs supply natural gas to customers who have not arranged to buy gas from an independent 

marketer. Although recovering the cost of gas appears simple enough in theory, in practice it can be quite 

complicated. Gas prices fluctuate from day to day and from month to month, whereas rates may be set for 
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years into the future. This timing mismatch creates a risk that utilities might not be able to fully recover 

the cost of gas purchased if what they collect for gas supplied is insufficient to cover their costs. Even 

more worrisome is the fact that regulators may not allow utilities to collect the full cost of gas if their 

initial cost estimates prove unreliable. 

States make use of widely varying procedures in place for LDCs to recover the cost of gas they supply to 

customers. Some have automatic pass-through mechanisms linking customer prices to gas price indices 

that change prices monthly. However, in other states, LDCs must wait until the season is over and then 

they apply to regulators to recoup undercharges. They then run the risk that regulators are not going to 

permit full recovery of their gas procurement costs in the next rate case. During times of high gas prices, 

even delayed recovery of gas supply costs can hurt an LDC’s liquidity, which forcies it to increase its 

borrowings (thus raising its interest expense); in extreme cases, this can hurt its credit rating. 

Transportation 

Due to the physical properties of natural gas, it is difficult to transport by any means except a 

dedicated pipeline. While a few LDCs have their own gas production that can be used to supply 

customers, long-distance pipelines are the only realistic way for most LDCs to secure enough 

supply to cater to full customer demand. Until the mid-1980s, LDCs purchased their gas directly 

from the transmission pipeline serving their area, paying a single price for the gas along with 

any additional amounts charged for transportation and storage. 

This arrangement worked well in assuring stability of supply but it was inefficient, as it 

required LDCs to contract enough gas to meet their peak demand levels throughout the year, even if the 

pipeline capacity went unused. LDCs passed these costs along to gas customers. The regulatory reforms 

that began in 1984 and finished in 1992 allowed LDCs to shop around for 

their gas from producers, instead of forcing LDCs to buy from pipeline companies. 

The reforms also permitted LDCs to sell unused pipeline transportation capacity to others in what is 

termed as a “capacity release market.” As a result, LDCs now use a range of options to meet their 

transportation requirements, these include gas released from storage, short-term firm 

transportation rights, interruptible transportation, released capacity, and “gray market” services (capacity 

repackaged with supply or other services by LDCs or independent marketers). 

Long-term contracts are preferred by gas firms for most of their natural gas supplies in order to ensure 

uninterrupted consumer supply, according to an October 2015 report of the Department of Energy (DOE), 

which assessed heating fuels and electricity markets. 
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Storage 

Natural gas is bulky and expensive to transport. Gas storage facilities play an important role in LDCs’  

efforts to secure supply because it is not possible for pipelines to increase transportation capacity to large 

demand centers on short notice. In particular, storage is most important when demand exceeds pipeline 

transmission capacity that is during times of peak demand. According to the AGA, about 20% of the gas 

that is used during winter months comes from storage, while 50% or more of the gas burned on an 

extremely cold day may come from storage. It is for these reasons that gas storage facilities have become 

extremely important to LDCs. Gas can be stored in one of several types of facilities, including salt 

caverns, disused mines, aquifers, hard rock caverns, or depleted gas reservoirs. LNG also can be stored in 

specially constructed insulated containers near regasification terminals. Small volumes of compressed gas 

can be stored in tanks commonly referred to as gas holders. LDCs use such storage facilities for 

shipments to or from areas where pipelines are not available. 

Owning or controlling storage reservoirs allows LDCs to guarantee future deliveries and to manage 

inventories actively against fluctuating natural gas prices. Control or ownership also reduces the reliance 

on transmission pipeline capacity and limits the potential effect of a pipeline outage. Owners can manage 

inventory by purchasing gas during times of weak demand, when prices are low, and storing it for use 

during periods of peak consumption. Storage owners can also lease capacity to third parties, providing an 

additional source of revenue. Because US natural gas consumption peaks in the winter, producers store 

gas during the months when temperatures and demand are moderate (April through October) and 

withdraw gas during the heating season (November through March). The US government, commodity 

traders, and LDCs track storage levels extremely closely to determine demand levels, supply availability, 

and likely future price trends. 
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INDUSTRY TRENDS 

Operating Environment 

It is essential for the gas utilities industry to obtain natural gas in order to provide for its varied end-use 

markets. As a result, any movement in natural gas prices that are somewhat volatile in nature can have an 

effect on gas utilities’ profitability.Due to a substantial increase in supply, prices for US-based natural gas 

have been under strong pressure in the recent years. Historically, the industry was US-centric to a certain 

degree, but two key developments in recent years have rendered it more global in nature. First of which is 

the advent of liquefied natural gas  

(LNG), this is a promising prospect of transforming the US natural gas industry into an export market, 

which therefore has a dual potential, that is to access foreign demand as well as impact gas prices 

domestically. Secondly, many countries are increasingly moving toward cleaner-burning fuels that is 

either because of environmental preference or because of sudden shocks (e.g., Japan’s nuclear power 

capabilities being damaged after earthquakes). Hence, analysis of global LNG developments can resonate 

for natural gas markets at home. 

The rapid growth in US gas supply is largely due to the shale revolution, which is directly via shale gas, 

and indirectly via shale oil plays that bring associated gas with them. In 2015, natural gas production in 

the US averaged 78.8 billion cubic feet per day (bcf/d) of marketed production, up from 74.9 bcf/d in 

2014, according to the US Energy Information Administration (EIA). The EIA also forecast that 

production would reach 79.6 bcf/d in 2016 and 81.4 bcf/d in 2017. This 

represents 1.0% projected production growth in 2016 (due to low natural gas prices and a 

slowdown in rig activity), and 2.3% projected growth in 2017 (due to anticipated increases in 

prices and exports). 

The three-year production compound annual growth rate (CAGR) implicit in the 2017 estimate, versus 

2014 actual, is 2.8% per year. While a rise in total consumption of natural gas is also expected, demand 

growth pales in comparison. Looking at the same comparison of 2017 versus 2014, US natural gas 

demand is expected to increase a mere 2.1% per year, less than the implied CAGR on the supply side. 

According to EIA forecasts, demand growth is going to originate mainly from increases in the electric 

power sector’s natural gas consumption. In terms of natural gas exports, the EIA expects increased 

demand from Mexico’s growing electric power sector. LNG exports are expected to increase at an 

average of 0.5 bcf/d in 2016. 
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With supply surpassing demand, it comes as little surprise that the EIA also projects prices to be lower for 

natural gas in the coming years. In 2013, Henry Hub spot prices averaged $3.73 per million British 

thermal unit (MMBtu), rising to $4.39/MMBtu in 2014. Bentek Energy, a unit of Platts, notes that the 

winter of 2013–2014 was the fourth-coldest winter in 60 years, which 

explains some of the year-over-year gain in realized spot prices, in S&P Global Market 

Intelligence’s view. However, the average spot price dropped to $2.63 MMBtu in 2015, due to 

lower demand as a result of warmer-than-normal temperatures in the winter of 2015–2016, record 

inventory levels, and production growth. The EIA sees spot prices averaging $2.22/MMBtu in 2016 and 

$2.96/MMBtu in 2017. 

In S&P Global Market Intelligence’s view, gas utilities should benefit from subdued natural gas 

costs, as this is likely to encourage more fuel switching, mainly from coal power plants to natural 

gas, hence increasing throughput on utility systems. We also see retail customer conversions from oil, 

electric, and propane heating to natural gas heating in many northern regions. 

Overbuilding, Oversupply in the LNG Market? 

The secular drivers favoring rise of natural gas demand, with potential for further gains from 

fuel switching, have also steered expansion of liquefied natural gas (LNG) markets. Previously a 

development only in Asia and Europe, many former US regasification plants have been converted to 

liquefaction plants, this enables them to participate in the LNG markets by harnessing cheap US based 

natural gas, to ship it overseas, and sell it into gas-needy markets in Asia or Europe. 

Meanwhile, even without US participation until recently, LNG trade has shown a rapid growth. As noted 

by the EIA, Global LNG trade grew an average of 6% per year between 2005 and 2014. According to the 

International Gas Union, the global trade in LNG reached an all-time high of 244.8 million tonnes, or 

roughly 34.8 bcf/d in the year 2015, which represents 44.2% of US marketed gas production. 
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According to market research firm SNL Financial, there are currently 61 LNG terminal projects in the US 

that are either announced or ongoing, including Sempra Energy’s expansion of its 

Cameron LNG plant in Hackberry, Louisiana. 

In October 2014, the facility started building its $10 billion, three-train liquefaction plant having 

capability to produce about 10.0 million metric tons per year. In February 2015, Sempra submitted a 
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proposal for federal approval for expansion of the export terminal into a five-train plant with capability to 

produce a whopping 24.9 million metric tons per year. The Federal Energy Regulatory Commission 

(FERC) approved the proposal in May 2016, anticipating that Cameron LNG will become the largest 

export plant in the US. 

Another large, ongoing LNG export terminal construction slated to come onstream in 2019 is 

Cheniere Energy’s conversion of its Sabine Pass natural gas plant into an $18 billion worth liquefaction 

facility. The company is already liquefying some of its natural gas supply and exported its first batch of 

LNG in February 2016, via a tanker headed for Brazil, marking the US’ entry in the global LNG trade 

market. Since then, LNG exports from that plant have reached Asia and Europe. Other significant LNG 

export terminal projects include Cove Point in Maryland, its completion expected is in 2017, and Port 

Arthur in Texas, where startup is targeted for 2021. 

The EIA warned that in the advent of US LNG exports, the large amounts of incoming new LNG 

supply could potentially lead to excess global supply in the near term. Analysts from McKinsey & Co.’s 

Energy Insights unit stated in June 2016 that LNG supply is likely to exceed demand until 2024, adding 

that peak oversupply is expected by 2019. The analysts also said that the long list of ongoing projects for 

new liquefaction facilities might take long before being completed, given the supply situation. 

Given these capacity growth numbers, S&P Global Market Intelligence does not expect that all 

projects on the drawing board will break ground. Some US-based LNG export facilities are likely to be 

built, and early movers are more likely, all else being equal, to succeed. At the end of the day, we think 

price spreads between US gas hubs and those in Europe and Asia will begin to compress, where 

differences would largely reflect transportation costs. As a result, we do not expect much in the way of 

foreign natural gas demand siphoning off US-sourced natural gas, and therefore not much impact on US 

natural gas prices in the next few years. 

The Mechanics of Moving Gas 

Natural gas is a colorless, odorless fuel composed primarily of methane and, to a lesser extent, ethane. It 

burns more cleanly than many other fossil fuels—emitting less carbon dioxide than coal or oil, and little 

sulfur or particulates— which makes it one of the most popular sources of energy today. 

How do you bring a colorless, odorless fuel to the market? Companies typically move raw gas 

from underground reservoirs through a series of feeder (gas-gathering) pipes to processing plants 

which remove impurities and natural gas liquids (NGLs—such as propane or butane). The propane and 

butane can be stored and sold on site or moved through NGL pipelines to other locations. Processing 
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plants then send the almost pure methane gas to long-distance transmission pipelines, resulting in what is 

also known as “pipeline gas.” In some cases, the gas withdrawn from the ground is considered pipeline 

gas and can be moved directly from gas-gathering pipes into pipelines without the need to be processed. 

The midstream segment comprises interstate pipeline, or “transmission,” companies, which build 

and operate pipelines for the purpose of transporting gas from producing regions to demand centers. The 

FERC, which has jurisdiction over interstate commerce in natural gas, regulates transmission companies. 

As per the EIA estimates, there were 217,306 miles of interstate pipelines in the Lower 48 states at the 

end of 2008 (latest available) and an additional 88,648 miles of intrastate pipelines. 

There is a flurry of investments in new and expanding pipeline networks. Currently, there are 82 

natural gas pipeline projects (either announced or ongoing), according to SNL. Each of these 

projects is longer than 10 miles and has projected storage of more than 0.1 bcf. Among the largest in the 

US (based on estimated construction cost) are the Atlantic Coast Pipeline/Southeast 

Reliability Project, to be completed in 2018 (West Virginia –North Carolina, $51.0 billion); the 

Rover Pipeline Project, to be completed in 2017 (Pennsylvania/West Virginia–Michigan, $44.0 

billion); the Mountain Valley Pipeline, to be completed in 2018 (Virginia–West Virginia, $35.0 

billion); the Sabal Trail, to be completed in 2017 (Alabama–Florida, $30.0 billion); the Nexus Pipeline, to 

be completed in 2017 (Ohio–Michigan, $20.0 billion); and the Pacific Connector Gas 

Pipeline, to be completed in 2018 (Oregon, $18.0 billion). 

Attached to the pipeline systems are many natural gas storage facilities, which store gas during 

periods of nonpeak demand to be able to maintain supply during peak demand times. There were nearly 

400 active storage facilities as of November 2015 (latest available). As of March 

2016, total storage capacity is 9.2 trillion cubic feet (tcf), and total working gas capacity, defined 

as the total gas minus base gas capacity, is 4.8 tcf. Base gas capacity is the amount of gas needed 

to maintain adequate pressure in a storage reservoir during the withdraw season. 
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Although US gas storage capacity is located in 30 states, eight states (Michigan, Illinois, Texas,  

Pennsylvania, Louisiana, Ohio, California, and West Virginia) account for about two thirds of the total as 

of March 2016. Numerous gas storage projects are in progress for the purpose of accommodating 

increased gas usage and enhancing reliability. The added storage capacity will likely result in additional 

gas purchases during off-peak months to refill the storage fields in advance of the winter season, therefore 

helping to smooth seasonal price fluctuations by increasing nonpeak demand and decreasing peak demand 
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LDCs: The Downstream Segment 

Local distribution companies (LDCs) occupy the downstream segment of the gas industry, the LDCs take 

gas from interstate pipelines and distribute it to a broad range of customers, including residential, 

commercial, industrial, and power generation. They perform this service under a 

monopoly concession and are subject to rate regulation. Some companies run LDCs as stand-alone 

operations but in recent years, independent LDCs have become progressively rare. 

Following regulatory reforms that helped ease restrictions on mergers by gas and other utilities, most 

LDCs are now owned by larger holding companies that also own other businesses, including other 

regulated gas and electric utilities, as well as unregulated businesses that may or may not be related to 

energy. 

It is important to bear in mind that LDCs perform two related, but distinct, services: the delivery of gas, as 

well as the procurement and sale of gas to the customer. LDCs deliver gas to customers 

through pipeline networks they build and maintain, and attempt to earn a profit for the provision of that 

service. In addition, they procure gas and sell it to customers at cost, and no profit is earned for this 

service. In both cases, state officials regulate the rates that LDCs can charge, and they have no guarantee 

that state regulators will allow them to recover fully the cost of gas sold to customers. 

Competitive Environment: Different End Markets, Different Needs 

Natural gas provided about 29% of the US net energy consumed in 2015 and 33% in the first two 

months of 2016, a share that the EIA expects to be somewhere between 32% and 33% by 2040. 

However, S&P Global Market Intelligence thinks that there is potential for natural gas to have share in 

energy demand, to rise even further than what the EIA estimates suggests, predicated on two concepts. 

First, burgeoning supplies, courtesy of the shale gas revolution. Second, potential fuel substitution by 

customers, and specifically switching away from coal, which we see as hampered by a litany of 

environmental woes. 

The healthy development of shale gas, and the subsequent development of shale oil (which brings with it 

associated gas) have generated a substantial deluge of incremental production in the natural gas market. 

Residential, commercial, and industrial customers, as well as electric power plants, use natural gas for a 

variety of purposes, including heat, power generation, and as the raw material for products such as 

chemicals and fertilizer. Each group exhibits distinctly different responses to changing weather patterns, 

price levels, and economic activity. However, before the gas even reaches these customers, some of it is 
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used for other purposes. In the first three months of 2016, processors used 396 bcf for lease and plant fuel 

in gas processing plants, and pipelines used 257 bcf for fuel to power compressors used to move the gas, 

according to a review released by the EIA in June 2016. Thus, of the estimated 8 quadrillion Btu of 

natural gas consumed in the US in the first three months of 2016, about 92% reached various end users. 

In 2015, processors used 1,578 bcf for lease and plant fuel in gas processing plants, and pipelines 

used 894 bcf for fuel to power compressors used to move the gas. Thus, of the estimated 28 

quadrillion Btu of natural gas consumed in the US last year, about 91% reached various end users. 

In 2014, total retail gas sales reached 24.4 tcf, and revenue for bundled gas services, including 

transportation, distribution, and the natural gas itself totaled $71.9 billion, according to SNL. 

LDCs classify their customers as either firm or interruptible. Industrial customers, as well as some 

commercial customers, have the option of choosing firm gas supply, irrespective of their level of demand, 

for a correspondingly higher price. For customers that can accommodate temporary interruptions or 

switch to alternative fuels, interruptible service and the price advantage that it offers might be preferable. 

Residential customers always receive firm service. 
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Electricity Generation 

In 2015, electric power generators became the largest segment of natural gas customer, with relatively 

few customers accounting for about 35.2% of US gas delivered to consumers. In the first three months of 

2016, electric power accounted for 26.9% of total natural gas consumption. 

Gas-fired power-generation capacity has experienced immense growth in the US in recent years, for 

several reasons. Shorter construction times and lower capital investment requirements than other types of 

power plants made gas-fired power plants an attractive investment during a time of rising electricity 

prices. New combined-cycle technology has increased the efficiency of gas-fired generation, and due to 

concern over the environmental impact of coal-fired and nuclear generation, more gas-fired plants are 

encouraged. 

Power generators are even more sensitive to the changing prices of natural gas than industrial users, 

operating only when electricity prices are high enough to make burning gas for power profitable. Power 

generators’ Gas consumption fell by almost 10% in 2003, when rising gas prices made it less profitable to 

burn as a fuel for generating power. In the EIA’s Annual Energy Outlook (AEO) 2015 Reference case, 

expected capacity additions from 2013 to 2040 total 287 GW, which include new plants in the power 

sector alongside end-use generators. 
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Short-term natural gas demand patterns for electric power generators can be affected by several factors 

other than price. Weather-related events—as well as other developments, such as plant outages, that can 

raise or lower electricity prices—can cause sudden spikes in gas demand. The rising share of gas demand 

from electric power producers has created a new “summer peak” in demand, as the use of gas-fired power 

generators is increased during periods of hot weather in order to meet higher power demand for air 

conditioning. 

The Industrial Market 

Industrial consumers were the largest source of demand for natural gas in 2014, accounting for 

about 34.2% of the total consumer volumes. In 2015, the industrial segment constituted the second largest 

segment, accounting for 33.1% of total natural gas consumption. In the first three months of 2016, this 

segment was responsible for 29.9% of natural gas usage, leading all segments so far this year. As per the 

projections done by EIA, total natural gas consumption in the industrial market will increase from 8.0 

quadrillion Btu in 2013 to 9.9 quadrillion Btu in 2040. Natural gas is used in the industrial sector for heat 

and power, bulk chemical feedstock’s, natural gas-to-liquids (GTL) heat and power, and lease and plant 

fuel. 

Consumption by industrial users tends to be more sensitive to changes in economic activity and 

price than commercial or residential demand, because industrial customers have greater ability, 

and incentive, to alter their consumption as the market forces shift. Because demand per customer is much 

larger than it is for commercial or residential users, one industrial customer’s 

decision is going to have a larger impact on total demand. 

 

The Residential Market 

Residential gas users accounted for about 16.8% of natural gas volumes delivered to customers in 2015. 

In the first three months of 2016, residential gas consumers accounted for 25.0% of total 

consumer volumes. The residential customers supply the lion’s share of utility profits by paying 

substantially higher prices than industrial or commercial customers do despite being more expensive to 

supply because of the billing and customer service infrastructure required. The 2015 yearly average for 

residential natural gas prices was $10.36 per thousand cubic feet (Mcf) which was 31.5% higher than 

commercial prices (at $7.88/Mcf), and 169.8% higher than average industrial prices (at $3.84/Mcf), as per 

the EIA. 
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Residential natural gas demand is used mostly for space heating, although that demand is 

confined mainly to winter months. Residential consumers also use gas to power home appliances 

such as water heaters, stoves, clothes dryers, and fireplaces. Although residential customers’  

overall natural gas demand rises and falls with the severity of winter weather, and is subject to 

other factors, such as population growth and housing trends, the use of natural gas per residential 

customer is in a long-term decline. 

The EIA projects in its 2015 Annual Energy Outlook that delivered energy consumption per 

household is likely to drop about 0.8% per year between 2015 and 2020, assuming normal 

weather patterns, which would mainly be due to continuing penetration of efficient gas furnaces and 

appliances. 

The Commercial Market 

Commercial customers comprise nonmanufacturing businesses such as hotels, restaurants, 

wholesalers, retailers, and other service-oriented businesses. Natural gas used by state and federal 

agencies for nonmanufacturing purposes counts as commercial demand. The commercial market 

accounted for 13.0% of total natural gas consumption in 2014, 11.7% in 2015, and 14.9% in the first three 

months of 2016. 

As compared to the residential customers, gas demand for commercial customers is somewhat less 

seasonal. Slightly more than half of all commercially consumed gas is used for space heating, with the 

remainder used for water heating, cooking, and various other purposes. Change in energy intensity of 

commercial businesses, as new businesses emerge and others close down, can also account for some 

fluctuation. 
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Regulatory Environment 

The Legal Battle over the CPP 

In an effort to reduce carbon emissions 32% nationwide by 2030, the Environmental Protection 

Agency (EPA), set standards to limit carbon dioxide (CO2) emissions from new, modified, and 

reconstructed power plants, through the Clean Air Act (CAA) on August 3, 2015. It is said that power 

plants would be the largest stationary source of carbon pollution in the US. 

Under this regulation, new and reconstructed natural gas plants are limited to 1,000 pounds of 

CO2 per megawatt-hour on a gross-output basis (lb Cos/MWh-gross) emission—applicable to all 

sizes of base load units. For new coal-fired power plants, gross emission is not to be more than 

1,400 lb Cos/MWh-gross. This is less stringent than the proposed standard of 1,100 CO2/MW 

gross, according to the EPA. The EPA added that the final standard is achievable by new fossil 

fuel-fired steam generating units for all fuel types. This reflects information and comments with 

regard to the cost of implementing carbon capture and storage (CCS) on a new unit. 

Part of the CAA is the Clean Power Plan (CPP), under which each state has been assigned its own 

emission reduction target depending on their facilities’ potential performance. To comply with the CPP, 

each state is required to submit an initial State Implementation Plan (SIP) or regional plan with other 

states by September 2016, and a final SIP by September 2018. The EPA will take approximately one year 

to review the SIPs and approve or reject the plan. If a state does not submit an SIP, the EPA will impose a 

federal plan on that state. 

The EPA is facing lawsuits from 27 states, which called the CPP an “illegal” regulation that will  

destroy the coal market. These states are Alabama, Arizona, Arkansas, Colorado, Florida, 

Georgia, Indiana, Kansas, Kentucky, Louisiana, Michigan, Mississippi, Missouri, Montana, 

Nebraska, New Jersey, North Carolina, North Dakota, Ohio, Oklahoma, South Carolina, South 

Dakota, Texas, Utah, West Virginia, Wisconsin, and Wyoming. On the other side of the fence, the states 

supporting the CPP are California, Connecticut, Delaware, Hawaii, Illinois, Iowa, Maine, Maryland, 

Massachusetts, Minnesota, New Hampshire, New Mexico, New York, Oregon, Rhode Island, Vermont, 

Virginia, and Washington. Alaska, Idaho, Nevada, Pennsylvania, and Tennessee have not taken any legal 

stance on the issue. 

On February 9, 2016, the US Supreme Court issued an order halting the implementation of the 

CPP, including the submission of SIPs, until the US Court of Appeals for the D.C. Circuit decides on the 
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CPP’s legality. In May 2016, the appeals court scheduled an en banc hearing on the case for September 

27, 2016. 

LDC Regulatory Reforms 

A series of regulatory reforms from 1978 (when regulations that set natural gas prices at the 

wellhead were first loosened) to 2005 (when the repeal of the Public Utilities Holding Company 

Act (PUHCA), dropped federal restrictions on utility mergers) have created a vastly different 

operating environment than that which prevailed 38 years ago. Natural gas prices are generally 

higher and more volatile, energy markets are more competitive, and corporate mergers have 

created huge, diversified energy companies with trading capabilities across several different energy 

sources. These developments have generated potential reward in addition to new risks for gas distribution 

utilities. 

In response to this environment over the past decades, gas utilities that were previously independent, have 

combined with other regulated utilities, as well as with new, unregulated energy-related businesses, to 

manage these new risks and capture profit offered by new opportunities. As a result, today’s LDCs are 

usually part of a holding company that operates several different businesses. In some instances, LDC 

operations are the holding company’s primary business. Secondary operations may include wholesale gas 

marketing, unregulated power generation, oil and gas exploration and production (E&P), interstate 

pipelines and storage, or even non-energy-related businesses such as timber or containerized shipping. In 

many other cases, LDCs are relatively small parts of large multi-utility or multi-industry companies. 

LDCs operate under monopolies that are granted by a state or municipality and that cover a 

particular service area. State utility commissions regulate just about every aspect of an LDC’s  

activities, including what it can charge for delivery and for gas supply. Often known as public 

utility commissions (PUCs) or public service commissions (PSCs), state regulators are responsible for 

ensuring the safe and reliable access to gas on an equitable basis and, in some cases, to promote 

competition. 

State utility commissions usually consist of a board of three or more members appointed by the 

state’s governor and confirmed by the legislature. (Some states elect utility commissioners by 

popular vote.) The commissions often employ a large staff, including attorneys and accountants, 

to evaluate information filed by utilities regarding potential rate changes and to assist 

commissioners in making decisions. Utility commissions may regulate one or more natural gas 
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utilities as well as other businesses, such as electric and water utilities, telecommunications 

providers, and cable television operators. 

In addition to setting rates of service, regulations are issued by a state utility commission which covers 

other important aspects of an LDC’s operations. It oversees environmental performance, monitors the 

LDC’s operations to ensure that it complies with relevant laws, and enforces universal service obligations. 

It has authority to approve or deny corporate mergers, the sale of facilities from one party to another, and 

even such financing activities as bond issues or intracompany fund transfers. 

A recent development among the utility commissions is allowing LDCs to add pipeline 

replacement costs to their rate base without undergoing a gas rate case. This decision was brought about 

by the great need to replace pipelines that are already in service for more than 50 years. By allowing 

LDCs to immediately start earning a return from their capital expenses, it stabilizes gas firms’ finances 

and spurs more capital expenditure for infrastructure maintenance. 

Ratemaking. The greatest power that state utility commissions hold over LDCs is the ability to 

set the rates that LDCs charge for delivery and for gas supply. As a practical matter, the delivery 

charge is the more complex to set, since it has to allow the LDC to earn a profit. Gas supply 

charges which are not free of controversy, are more an issue of reimbursement, though disputes can and 

often do arise over whether a gas supply charge was prudently incurred. 

The rates of a natural gas utility for its delivery service are mostly set on a “cost-of-service” basis; that is, 

rates are calculated to generate enough revenue for the utility to recover its operating costs and earn a fair 

return for shareholders. This makes the relationship between a utility and its regulatory commission an 

important determinant of both its current profitability and its long-term growth prospects. 

In general, the ratemaking process begins with a regulated utility’s request for a change in rates  

when the current rate schedule expires. The process of deciding a utility’s allowed rates is known 

as a “rate case.” In addition to the change in rates requested, there may be simultaneous negotiations 

between the company and the commission on any other issues that one or both sides 

want to address, such as customer complaints, infrastructure investment, environmental issues, or 

reliability problems. 
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The first step in the rate case is to determine the cost which would be incurred to maintain and operate the 

distribution system as well as the cost of any needed capital improvements. Companies calculate this 

amount by totaling their operating and maintenance expenses, asset depreciation, and taxes over a 

hypothetical period known as a “test year” that has been normalized to eliminate any unusual or one-time 

incidents. The commission must decide whether to allow each expense item submitted by the LDC. If the 

commission denies an item, its cost must be borne by the utility’s shareholders. Disputes often arise over 

whether ratepayers should or should not reimburse a particular cost. 
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In 2015, there were 37 gas rate cases completed with an average authorized ROE of 9.6%, a 

return on rate base (RORB) of 7.4%, and a common equity component of 49.5%. Conversely, in 

2014, these completed cases had an average requested ROE of 8.0%, RORB of 7.7%, and 

common equity component of 51.1%. 

Setting a Utility’s Rate of Return. After determining the utility’s expenses, an appropriate rate of return 

for the utility is negotiated for the utility’s management by the regulators, this rate would provide an 

adequate incentive for investors to own equity in the LDC and thus ensure it is adequately capitalized to 

provide acceptable service. Deciding what level of return the company should receive is often the most 

controversial part of the rate case—and a process that is as much art as it is science. 

For investor-owned utilities, the return is usually calculated as the percentage of the utility’s assets used 

to deliver service that is needed to cover the utility’s cost of capital. Cost of capital is defined as the sum 

of the cost of debt service, preferred stock dividends, and a fair return for common stockholders. While 

the cost of debt service and preferred stock dividends is easy to establish, the appropriate return for 

common stockholders is more difficult to ascertain. Commissions use such methods as comparable 

company analysis, discounted cash flow, and risk premium analysis (such as the capital asset pricing 

model) to determine an appropriate return on common equity. In some instances, a utility commission 

may desire to set a rate of return that is not equivalent to the utility’s cost of capital, as either a reward or 

punishment for management decisions and operating performance. 

It is to be kept in mind that in setting the rate of return, the utility commission does not 

guarantee that the LDC will actually earn that rate, but instead gives the LDC the opportunity to 

earn that rate. Achieving the allowed rate of return requires sound management and operating 

skill, and poor decisions can lead to the realized rate of return remaining significantly below the allowed 

rate. 

Once the utility’s full revenue requirement (costs, plus a fair return) has been identified, that sum then has 

be allocated among the different classes of gas consumer: industrial, residential, commercial, and power 

generators. Industrial rates tend to be the lowest, because of industrial 

customers being high-volume users and easier to service than residential accounts. Allocations can be 

controversial, since one customer group may argue that it is being forced to subsidize another. 

After it has been determined how much each class of customer will pay in total, the structure of 

the charges is determined in a process known as “rate design.” Rate designs vary considerably and can 

include fixed per-customer charges, minimum bills, charges per therm (a unit of heating 

value), or some combination of these. 
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Usage of Template & Client Usage Number 

The significance of operational capacity by point plays a very critical role in financial and operational 

analysis of the company. To analyze the operational effectiveness of any gas company or LDC we use the 

flow capacity of natural gas as a tool to measure how “liquid” in terms of transporting natural gas the 

company is capable of. The natural gas flow from the company is reported at different levels and varies 

from different types of point. 

The type of points covered by SNL include of Interconnect, power plant, compressor, exchange point and 

standalone meter. To analyze the operational capacity by point for natural gas pipelines in US market we 

scrubbed the raw data from informational postings of the natural gas and standardized it tobe presented in 

a standardized manner. 

 

We further drill it down to the point level so that the client’s and our users are able to see which specific 

point has any specific capacity of natural gas to be added or is not being utilized to its maximum potential 
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as well. Breaking down by point can help producers and consumers help identify bottle necks so that can 

tap into the market and make money out of the opportunities in the market. 

 

Analyzing the impact of these operational caveats of the natural gas companies we see how the financials 

get impacted. To see the impact we do a comparative analysis of the Balance Sheet, Cash flow statement 

and income statement from the regulated side of the companies. In the US sector the natural gas pipeline 

companies report to the Public Utility commission and at the aggregate level file to the FERC.  

We developed a framework to capture the impact on the financial statements and have been engaging 

clients to use it and produce results and so far in 2016 we have engaged more than 700, 000 clients to use 

these excel based workbooks.  

 



 
31 | P a g e  
 

 

 

Another market getting impacted is the commodity market which helps to drive the financial sector as 

well. To analyze the commodity we use the spot prices to get an idea about the historical performance and 

use the forwards and futures to see how they are trading into the future. A nice pictorial representation of 
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this helps to make quick market based decisions so that they are able to leverage on any information 

available in the market. 

 

 

 

The end result of all this effort is smooth work flow creation which helps to do analysis and do market 

based commentary in the form of data dispatches and reports. These reports help to give up to date 

information and provide a summary in terms of analyzing the operational capacity date, financial sector 

analysis, and commodity market analysis in the form of a report published on a frequent basis. 
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Key Industry Ratios and Statistics 

 Consumption days (hot vs. cold days comparison):  

The pattern of usage of natural gas shows direct proportion to extremes in temperatures. Typical uses 

occur in form of enclosed spaces for commercial, industrial and residential markets (and are referred to as 

“heating day”). U.S situated in northern hemisphere experiences cold weather from November to 

February/March. The northern parts of the country typically experience longer and more intense winters 

(Chicago, New York, etc.). On the other hand southern region has longer summers (Florida, Texas, etc.). 

Warm months in summer where customers use air conditioning are referred to as “cooling degree days”. 

This aspect is important because the utility companies producing electricity are increasingly natural gas to 

drive the generation plants. 

Around two third of residential demand side of gas is fulfilled by space heating. Similarly it also satisfies 

around half of commercial demand. Year-to-year variations in the consumption of natural gas are due to 

corresponding variation in the severity of weather and climatic changes. 

While making projections of future demand for gas the analysts assume that “normal” conditions of 

weather will occur throughout the duration covering projections. These days are quantified with respect to 

cooling and heating days. In order to represent the relative warmth or coldness of the atmosphere/air, a 

degree day is used, which is represents how far above or below the reference temperature has the daily 

mean temperature deviated. For example if the reference temperature is set at 65 degree Fahrenheit and 

todays temperature is 35 degree Fahrenheit than we would call today as a “30-degree” heating day. There 

is an agency of U.S Department of Commerce called The National Oceanic and Atmospheric 

Administration (NOAA) which calculates these temperatures on a daily basis. The natural variability in 

the weather will always cause some degree of unpredictability/volatility. 

 Real gross domestic product: 

Despite the weather being the major cause that results in shifts in the gas consumption, this demand of gas 

which is weather-normalized has historically followed the overall economy. The average growth (annual) 

in demand for natural gas in the U.S has trailed the GDP growth by being less than three quarters of it. 

This is due to the fact that economy affects all the major sectors of demand for natural gas. Department of 

Commerce produces reports covering GDP on quarterly basis. 
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 Residential Housing and Construction of new projects: 

A booming economy will accelerate housing projects, renovation projects, etc. Similarly a recession 

scenario results in more foreclosing and resulting decrease in demand for the natural gas. Due to fact that 

residential customer offers largest potential for profit for a distribution company offering natural gas, 

hence the housing starts (i.e. total number of new residential units where the construction has started in a 

given period) is a significant field for gas industry. Since the individual customers consume fewer fuel 

than commercial customers and industrial entities hence such a customer pays a substantially higher per 

unit rate to the utility company. This is the reason why almost two-thirds of revenue for utility gas 

company comes from such residential companies. Improvements in appliance design reduce the per unit 

consumption over time. 

 Interest Rates:  

The gas utility companies are very sensitive to the interest rates and available rate of returns as the 

industry is very capital intensive. Utility rates are determined the regulatory agencies of the respective 

states. Any change in interest rates is expected to be reflected in the rates charged from the consumer. For 

example a substantial drop in the interest rates decreases financial costs savings and therefore should 

result in lower tariff for consumer. On the other end of the spectrum are the investors seeking income in 

the form dividend on shares and are hence very sensitive to changes in interest rates. In case of rising 

interest rates the investors may choose to invest elsewhere and receive same returns. 

 

How to analyze a company in this industry 

It should be noted that the performance of any gas utility is dependent upon the type of mix in their 

operations. Typically the companies that own a liquid distribution company (LDC) also have other 

operation that can include both regulated (as in the case of electricity and pipeline distribution) and also 

unregulated (power generation assets). Hence each of such operations brings different set of challenges in 

terms of financial needs, competitive positioning, and market dynamics on the table. The earning from an 

unregulated generation can be largely volatile especially due to the expected swings can follow a 

commodity’s price. 

As a result it is vital to keep these various issues in mind while analyzing a particular LDC. 

 



 
38 | P a g e  
 

Competitive Position: 

To accurately judge the position where a LDC stands first of the rates it charges from its customers should 

be compared with the immediate competitors and then compare it with the average rates nationally. 

Lower rates not only will indicate the focus of a given company on cost control but lower rates generally 

entail a more positive and healthier relationship with the regulator. It also helps thwart the threat from 

competitors. 

Tracking the competitive threats is vital in light of regulatory reforms as independent gas companies have 

gradually increased in number where the new players were attracted with the prospect of attracting new 

customers. Interstate pipeline companies try to bypass LDCs by directly providing gas to large-scale 

industrial customers. 

Hence the major competitive challenges an LDC faces include: 

1. Attracting a sufficient number of customers 

2. Retaining these customers possibly locking them in through long term contracts. 

3. Use bundling, bulk pricing discounts effectively to give the best value for money thereby 

become preferred choice among new customers. 

4. Effectively market and position them apart from the competition. 

5. Provide timely and lucrative returns to investors, shareholders without jeopardizing the 

relationship with creditors, regulators, etc. 

Location and Customer Mix 

Demand may increase in 3 ways: 

1. Bringing in new customers 

2. Increased consumption of these customers 

3. Any scenario based on combination of the above two options 

A growing population and a booming population are hence the most encouraging signs that are most 

likely going to bring a gradual (or in exceptional cases a sudden) increase in demand. It has been 

observed over the years that increasing customers do not always translate into proportionate increase in 

the volume of gas sold. One important reason is the development of efficient appliances. 
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While analyzing such numbers it is imperative to note that how much residential customers are from the 

total customers of a LDC. Residential customers hold the key as they represent a more stable stream of 

revenue. On the other hand the industrial are much more price sensitive. Therefore having a larger 

residential customer base means lesser reliance of big business customers who might dictate their terms if 

they make up a large part of the revenue. 

On the other hand too much reliance on residential customer is also not advised as normally a residential 

customer is a full service consumer such that LDC is obligated to always fulfill the demand of this 

customer no matter how small or varying. This can bring inventory management risk into the equation. 

Further the need to answer any change in demand can lead to commodity price risk. Add to that the fact 

that generally the residential consumers’ demand is higher at the time of very cold weather that also leads 

to higher gas prices during those times. This means that a LDC will need to modify their procurement 

strategy and price hedging strategy. Such modifications are subject to review from regulators who may 

deem the resulting transformative measures insufficient hence straining the relationship with the 

regulator. 

 

Regulatory environment 

Emerging trends of the regulatory commission that governs the area of operations of an LDC needs to be 

studied due to the fact that rate of return regulations are devised by such commissions. Some important 

points to be considered are: 

1. How long does commission typically take to approve requests? 

2. What sort of mechanisms in the requests for rate reviews can hamper and lengthen the approval 

process. 

3. Which particular legislation has the largest impact driving the process forward? 
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Gas Supply Demand 

Managing the transportation and supply capacity is of paramount importance. Relevant concerns 

governing the decisions of an LDC’s management should be: 

1. How much gas is to be bought on the spot market. 

2. What is the minimum interrupted capacity needed. 

3. Peak demand fulfillment capacity. 

Ideally a well-managed LDC will obtain gas from more than one producers who supply it from 

geographically separate regions. Purchase contracts as well as the storage management operations need to 

be executed in the most efficient manner. Failure to do so can become problematic due to “hindsight” 

reviews conducted by the regulators. Repeated failure in any domain may lead to detrimental 

consequences such cancellation of license etc. 

Storage 

In order to control the supply as well as the cost of gas a LDC needs to manage its storage capacity. This 

has two major functions. Firstly, the gas can be accessed in peak demand times. Secondly, gas can be 

purchased in off-peak seasons at lower rates. The space for storage can either be leased or owned.  

Analyzing the Income Statement 

Common measures of profitability including net income and earnings-per-share (EPS) cannot be used due 

to impact unexpected weather changes as well as regulatory constraints on LDC. Instead investors assess 

the management of financial resources by examining following three parameters in an income statement: 

 Net Revenue: Although the growth in net revenues is largely predictable, nonetheless, it is 

beneficial to conduct a retrospective analysis to gauge an accurate expectation for future. 

 Operating expenses: Emphasis is placed on nonfuel operating and maintenance costs due to 

wide fluctuations in fuel prices. 

 Interest Expense: Interest payments are most significant no operating expense due to capital 

intensive nature of gas utility industry. 
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Balance Sheet Evaluation 

Public utility companies require significant investment in long term assets hence they have larger long 

term debt than corporations in several industries. Investors are not critical of these high levels of debt due 

to level of regulation in this industry. 

Cash Flow Assessment 

Clues can be derived by reviewing the trends of cash flow. It is fundamental to company’s survival to 

meet its ongoing expenses by generating sufficient funds, Rising and growing positive cash flows reduce 

the dependence on financial institution and hence sustain the expansion ventures through internally 

generated funds. 

Valuation and Performance Measures 

 Return on Equity 

 Return on Assets 

 Earnings / fixed asset ratio. Shows company’s ability to pay fixed expenses (e.g. interest 

expenses) 

 Price to Book ratio. Shows how much the investors are willing to pay for company’s share and 

hence represent goodwill on investor’s part. 

 Price to Earnings Ratio: Comparing this ratio for a LDC with that of its competitors as well as 

its past performance. 

 Payments of Dividends. Shareholders of utility companies are interested in total value derived 

consisting of both dividend payments as well share appreciation. However dividends form a 

larger component in the total expected return. 
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Conclusion 

Under expert guidance from our supervisor we intend that this research benefits both academics as well as 

firms and individuals seeking a sound decision making while analyzing the natural gas sector of the U.S. 

to enhance the decision making process of investors planning their investments in natural gas companies 

on the basis of our research. It is hoped through this research the conventional techniques are transformed 

into a more analytic and encompassing approach that gets reflected in better results and positive 

implications derived from sound decision making using these results. 
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Glossary of Important Terms 

 British thermal unit (Btu): This is the quantitative representation of heat required to raise 

temperature of 1 pound of water by a single degree. 

 Bypass: Circumvention of Local Distribution Company by producers to directly sell natural gas 

to customers. 

 City Gate: This represents a physical connection between a local utility’s pipes and an interstate 

pipeline. 

 Cost of service: One of the major determinants of the rate of return and includes all type of 

expenses, taxes, amortization etc. 

 Degree Day: In order to represent the relative warmth or coldness of the atmosphere/air, a degree 

day is used, which is represents how far above or below the reference temperature has the daily 

mean temperature deviated. For example if the reference temperature is set at 65 degree 

Fahrenheit and todays temperature is 35 degree Fahrenheit than we would call today as a “30-

degree” heating day. 

 Downstream: Distribution of gas to final end user. 

 Heating Season: Winter heating season typically begins on 1st November and ends on 31st 

March. 

 Hedging: Use of contracts or some other physical resource to minimize or mitigate financial risk. 

 Hub: An interchange of pipelines standardized as a delivery point so that natural gas futures can 

be figured. 

 Interruptible service: Gas service where interruption is permitted on short notice and agreed in 

the contract. 

 Local Distribution Company (LDC): Refers to an entity that operates and also owns the system 

and infrastructure for the distribution of natural gas. 

 Midstream: Refers to activities taking place after production of gas i.e. distribution, 

transmission, etc. 
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 Normalization:  Adjustments and standardization in data of historic sales, revenues, and 

expenses to make it conform to normal patterns of weather conditions. 

 Public Utility Commission (PUC): Regulatory authority governing the implementation of rules, 

preventing monopoly and monitoring rates in the industry. 

 Rate Base: The asset value (cash, supplies, capital, etc.) upon which rate of return is permitted to 

earn. 

 Rate Case:  Refers to negotiation of tariff with regulators. 

 Upstream: Exploration of fossil fuels  

 Wellhead: Point of origin (i.e. valves and controls on the well containing gas) in the gas supply. 

 

 

 

 

 

 

 

 

 

 


